© 2014/097160 A1 I KO O 010 0RO

(12) INTERNATIONAL APPLICATION PUBLISHED UNDER THE PATENT COOPERATION TREATY (PCT)

(19) World Intellectual Property Ny
Organization é
International Bureau -,

=

\

(10) International Publication Number

(43) International Publication Date WO 2014/097160 A1
26 June 2014 (26.06.2014) WIPOIPCT

(51) International Patent Classification: (71) Applicant (for GB, JP, NL only): SCHLUMBERGER
GO1V 1/40 (2006.01) GO01V 1/04 (2006.01) HOLDINGS LIMITED; P.O. Box 71, Craigmuir Cham-

(21) International Application Number: bers, Tortola, Road Town, 1110 (VG).

PCT/IB2013/061065 (71) Applicant (for all designated States except AL, AT, AU,

22} Int tional Filine Date: BG, BN, C4, CH, CL, CO, CY, CZ, DE, DK, EG, FR, GB,

(22) Imternational Filing Da e.18 b ber 2013 (18.12.2013 GE, GR, HR, HU, ID, IE, IL, IT, JP, KE, KP, KR, LT, MG,

ecember 2013 (18.12.2013) MX, MY, NL, NO, NZ, OM, PL, Qd, RO, SA, SI. SK, TH,

(25) Filing Language: English IN, TR, TT, TZ, U4, UG, US, UZ Z4): PRAD RE-

L . SEARCH AND DEVELOPMENT LIMITED; P.O. Box

(26) Publication Language: English 71, Craigmuir Chambers, Tortola, Road Town, 1110 (VG).

(30) Priority Data: (71) Applicant (for US only): SCHLUMBERGER TECHNO-

(71) Applicant (for AL, AM, AT, AU, AZ, BF, BG, BJ, BN, BY, Drive, Sugar Land, Texas 77478 (US).

Cr, CG, CH, CI, CL, CM, CO, CY. CZ DE, DK, EG, G4 (72y nventors: ORBAN, Jacques; 88 West 1428 South, Orem,
GE, GN. GO. GR, GW. HR, HU, ID, IE, IL, IT, KE, KG, Utah 84058 (US). PANCHAL, Neilkunal; Schlumberger,
KM, KP, KR, K2, LT, MD, MG, ML, MR, MX, MY, NE, Al-Khobar Dammam Rd, Al-Khobar, PO Box.2836, Al-
NO. NZ OM, PL, O, RO, RU, 54, SI, SK, SN, ID, TG, Mutlaq Compound, Dhahran, 31952 (SA).

TH, TJ, T™, IN, TR, TT, TZ, UA, UG, UZ, ZA4 only):

SCHLUMBERGER TECHNOLOGY B.V. [NL/NL]; (74) Agent: RZANIAK, Marcin; SRPC-1 rue Henri Becquerel,
Parkstraat 83-89m, NL-2514 JG The Hague (NL). B.P. 202, F-92142 Clamart CEDEX (FR).

(71) Applicant (for FR only): SERVICES PETROLIERS (81) Designated States (unless otherwise indicated, for every
SCHLUMBERGER [FR/FR]; 42 rue Saint Dominique, F- kind of national protection available). AE, AG, AL, AM,
75007 Paris (FR). AO, AT, AU, AZ, BA, BB, BG, BH, BN, BR, BW, BY,

A BZ, CA, CH, CL, CN, CO, CR, CU, CZ, DE, DK, DM,

(71) Appllcant (fO}" CA4 only): SCHLUMBERGER CANADA DO, DZ, EC, EE, EG, ES, FI; GB, GD, GE, GH, GM, GT,

LIMITED [CA/CA]; 525-3rd Avenue Southwest, Calgary,
Alberta T2P-0G4 (CA).

HN, HR, HU, ID, IL, IN, IR, IS, JP, KE, KG, KN, KP, KR,
KZ, LA, LC, LK, LR, LS, LT, LU, LY, MA, MD, ME,
MG, MK, MN, MW, MX, MY, MZ, NA, NG, NI, NO, NZ,
OM, PA, PE, PG, PH, PL, PT, QA, RO, RS, RU, RW, SA,
SC, SD, SE, SG, SK, SL, SM, ST, SV, SY, TH, TJ, TM,

[Continued on next page]

(54) Title: DEVICES, SYSTEMS AND METHODS FOR LOW FREQUENCY SEISMIC BOREHOLE INVESTIGATIONS

\\

FIG. 3

(57) Abstract: Downhole seismic sources that maybe compatible measurement-while-drilling systems. The downhole seismic
sources are integrated into drill string components, including drill collars of the bottom hole assembly. The downhole seismic
sources may generate a low swept frequency signal suitable for imaging around the drill-string and ahead of the drill bit. Integrated
downhole seismic systems including a downhole seismic source, receivers and optionally data processing capabilities. The integrated
systems may be configured to determine the distance and orientation of bed boundaries, including ahead of the drill bit up to about
200 m to 500 m in depth. Methods for downhole seismic, including single well and cross-well seismic. The methods may include
obtaining seismic information ahead of the drill bit.



WO 2014/097160 A1 |IWAT 00T A0 0O A AR

TN, TR, TT, TZ, UA, UG, US, UZ, VC, VN, ZA, ZM, SM, TR), OAPI (BF, BJ, CF, CG, CL, CM, GA, GN, GQ,
GW, KM, ML, MR, NE, SN, TD, TG).

ZW.
(84) Designated States (unless otherwise indicated, for every Published:
kind of regional protection available): ARIPO (BW, GH, __ g .
GM. KE, LR, LS, _MZ. NA, RW. SD, SL. SZ. TZ. with international search report (Art. 21(3))
UG, ZM, ZW), Eurasian (AM, AZ, BY, KG, KZ, RU, TJ, —  before the expiration of the time limit for amending the

TM), European (AL, AT, BE, BG, CH, CY, CZ, DE, DK, claims and to be republished in the event of receipt of
EE, ES, FI, FR, GB, GR, HR, HU, IE, IS, IT, LT, LU, amendments (Rule 48.2(h))
LV, MC, MK, MT, NL, NO, PL, PT, RO, RS, SE, SI, SK,



10

15

20

25

30

WO 2014/097160 PCT/IB2013/061065
1

DEVICES, SYSTEMS AND METHODS FOR LOW FREQUENCY SEISMIC
BOREHOLE INVESTIGATIONS

FIELD
The present disclosure relates to the evaluation of underground formations and
structures, for example as it relates to oil and gas exploration. The present disclosure relates

more specifically to seismic surveying of subterranean geological formations while drilling.

BACKGROUND

Borehole seismic investigation is of interest to oil and gas exploration professionals
because it can provide a deeper penetration into a formation than other available investigation
techniques. However, current borehole seismic methods can face limitations in their
implementation. For example, borehole seismic survey systems may involve sources located at
the surface and receivers placed in the well: such methods can be wireline Vertical Seismic
Profiling (VSP) type seismic acquisition, or Logging While Drilling (LWD) applications (such
as the Schlumberger (SLB) Seismic LWD system). Other configurations may be possible, for
example the drill bit can function as the seismic source and receivers can be placed at the
surface. In either case, the distance between source and receivers can result in signal
attenuation (especially for the high frequency content of the signal) and loss of resolution.
Such systems can also be economically challenging, as drilling should be stopped and the
surveys often take extended time periods, for example with complex wireline VSP surveys,
they may take several days to insure large surface coverage by the source. In all seismic
images, there can be further challenges resulting from accurately converting the time scale data

into depth information.

SUMMARY
The present disclosure provides devices, systems and methods for borehole seismic
investigations while drilling, including low frequency devices, systems and methods for
acquiring images around the drill-sting and ahead of the drill bit. In particular, a downhole
seismic vibrator is provided for such imaging purposes.
According to some embodiments, the seismic devices of this disclosure include: at least
two force generating members retractably connected to a first tubular in a drill string, which

may be part of the bottom hole assembly, and where the force generating members are located
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at substantially the same axial position along the drill string; and a control system for
activating the at least two force generating members to engage a borehole wall and transmit a
seismic signal into a formation surrounding the borehole wall. In some embodiments, each one
of the at least two force generating members includes a pad, which may be activated by a
hydraulic piston; the pad may be pivotably or hingedly moveable relative to the drill string or
the piston.

In some embodiments, the seismic signal includes a swept frequency signal over a wide
range to improve the quality of the reflector detection. The frequency range can be from about
20 to about 200 Hz, but can extend up to about 700 Hz, or from about 5 Hz, or from about 10
Hz up to about 700 Hz, or to about 500 Hz, or up to about 400 Hz, or up to about 300 Hz or up
to about 250 Hz. In some embodiments, the frequency range includes one or more generated
harmonics within the range. In some embodiments, the devices produce a seismic signal
having a sinusoidal shape. In some embodiments, the sinusoidal signal is a swept frequency.
In further embodiments, the seismic signal amplitude ranges from about 1,000 to about 60,000
Newtons. In further embodiments, the device includes a feedback mechanism to insure the
seismic signal has a desired shape over the range of frequencies, for example for maintaining
the signal according to a reference signal.

In further embodiments, the at least two force generating members are distributed about
a tubular in an axis-symmetric pattern. The at least two force generating members can be, for
example, two members separated by 180 degrees, three members separated by 120 degrees, or
four members separated by 90 degrees. In some embodiments, where the at least two force
generating members are four force generating members, the four force generating members
include a first pair of force generating members separated by 180 degrees and a second pair of
force generating members separated by 180 degrees. In further embodiments, the first pair of
force generating members is offset by 90 degrees from the second pair of force generating
members. In some embodiments, the first and second pairs act asynchronously to generate a
seismic signal. In some embodiments, the first and second pairs act synchronously to generate
a seismic signal. The seismic signals generated can be sinusoidal in shape and/or can be a
swept in frequency.

The disclosure also provides borehole seismic systems for acquiring seismic data
downhole. In some embodiments, the systems include at least one downhole seismic source as
described above and at least one downhole seismic receiver. For example, the downhole

seismic source can be at least two force generating members integrally connected at about the
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same axial position along a drill-string tubular, where the at least two force generating
members may be distributed axis-symmetrically about the tubular, and the source further
includes a controller for activation of the source causing it to generate a seismic signal, for
example a low frequency swept range seismic signal. In some embodiments, the systems are
configured to image at a distance (penetration depth) of up to about 500 meters, or up to about
200 meters, for example including ahead of a drill bit and with a resolution of about (or better
than) about 10 meters.

In some embodiments, the source(s) and receiver(s) are located in the same borehole,
for example along the same drill string but, for example the source(s) and receiver(s) may be
located on different tubulars. In some embodiments, at least one receiver is at least one
receiver subsystem (sub) mounted on a drill-string tubular, the at least one receiver sub
includes at least two seismic sensors. In further embodiments, the system is incorporated into
four drill-string tubulars, for example, four adjacent drill string tubulars, where the seismic
source is located on the first tubular closest to the drill bit, and a receiver sub is located on each
of the second, third, and fourth tubulars. In yet further embodiments, the distance between
tubulars results in an inter-receiver sub distance ranging from about 1A (wavelength) to about
5 when measured from the center of one receiver sub to the center of another receiver sub
(the wavelength typically refers to the mean frequency of the transmitted signal), and the
distance between receivers in a receiver sub ranges from about 3 to about 5 meters. In yet
further embodiments, the inter-receiver sub distance is about 10 meters (30 feet) or about the
same distance as the length of a drill-string tubular. In some embodiments, the systems include
two sources on the same drill string, with the receiver subs located between the two sources.
In some embodiments, the source(s) and receiver(s) may be deployed in different boreholes, or
some of the system components (e.g. a source and/or one or more receivers) may be deployed
at the surface.

The disclosure also provides methods for borehole seismic investigations, including
methods for low frequency borehole seismic investigations and methods of acquiring seismic
information for producing images around the drill-string and ahead of the drill bit. In some
embodiments, the methods include lowering a bottom hole assembly (BHA) into a borehole,
where the BHA includes a seismic source having at least two moveable force generating
members integrated with either a first tubular or a sleeve around the tubular; activating the
seismic source causing it to transmit a low frequency seismic signal into a formation

surrounding the borehole; and acquiring seismic data at a set of at least two receivers. In some
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embodiments, the set of at least two receivers is a receiver sub including at least two receivers,
which receiver sub is integrated with a second tubular on the same drill string as the seismic
source. In some embodiments, the receivers are deployed in a different borehole from the
seismic source. In some applications, the drilling process is temporarily suspended during the
seismic data acquisition, allowing the recovery of highly attenuated signal, as the noise level is
lower.

In some embodiments, the methods include processing at least a portion of the acquired
data, including reducing the amount of data prior to transmission of the data to the surface. In
some embodiments, data processing/data reduction includes determining the location and
orientation of a desired number of bed boundaries (reflectors) from the acquired data. In some
embodiments, the desired number of bed boundaries is (or is at least) the first bed boundary
closest to the seismic source in every direction around and ahead of the seismic source. In
some embodiments, the desired number of bed boundaries is up to about ten close boundaries
for every direction around and ahead of the seismic source; the number of the boundaries
depends on formation properties so the number may vary from 1 to 10.

In some embodiments, reducing the amount of data involves application of a semblance
processing between recorded data on adjacent receivers to determine signal arrival with delta-
time for the adjacent receivers, which is an approach for determining location and orientation
of a desired number of bed boundaries from the acquired data.

In some embodiments, seismic imaging involves estimating P- and S-waves from
acquired data corresponding to spherical expansion in the surrounding formation around the
source, more specifically from acquired data relating to P- and S-waves emitted from the
source in a direct path to the receivers.

In some embodiments, the methods include synchronously activating the at least two
force generating members to create a seismic signal. In some embodiments, the methods
include asynchronously activating pairs of force generating members to create a seismic signal.
In some embodiments, the source is activated (fired) when drilling is stopped, allowing seismic
data acquisition in low noise condition: this drilling stop period can be the period for addition
of tubular members to the drill string (connection time). In further embodiments, the source is
activated at three different source positions approximately three meters apart allowing seismic
data acquisition for limited axial displacement in the wellbore. These different positions for

source activation and seismic data acquisition can be located after each new joint is drilled
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(i.e., each new tubular is added). The number of different positions corresponding to a joint
length can be from 1 to 5, depending on the need for signal quality and image resolution.

In further embodiments, the source activation (transmission) time can extend from
about 1 second (sec) to about 12 seconds (sec), depending on the frequency bandwidth to
cover, as well as the signal-to-noise ratio to be achieved. The listening time at the end of the
transmission can extend from about 0.25 sec to about 3 sec, depending on the distance the
seismic wave travels (penetration depth), for example, the total acquisition time (transmission
time + listening time) can extend from about 1.25 sec to about 15 sec. The required dead time
between successive acquisition periods depends on the electronic system internal resource (to
manage the data and the clock synchronization), as well as the physical time needed to position
the source(s) and receiver(s) at the proper position. The dead-time plus total acquisition time
defines the minimum cycle time.

In some embodiments, the movable pad is activated by hydraulic power derived from
pressure differentials in the mud flow path. In some embodiments, a valve is controlled to
deliver a hydraulic pressure on a piston to activate the moveable pads to deliver a desired push
force. In some embodiments, the valve settings involve a feedback control to deliver the push
force following input objective. In some embodiments, the feedback control may involve non-
linear relationship between output and input. In some embodiments, the feedback control may
involve some linearization of non-linear behavior for more stable drive. In some
embodiments, the feedback control may involve calibration of a transfer function for particular
conditions.

In some embodiments, there are two seismic sources, located at upper and lower (or
first and second) axial positions along a drill string, and the receiver subs are located on a
section of the drill string between the upper and lower (or first and second) sources, and the
methods further include: activating the lower seismic source at a first location and acquiring a
first data set; moving the drill string to position the upper source at the first location where the
lower source was activated; activating the upper source and acquiring a second data set; and
grouping the first data set with the second data set for analysis. The two sets of data are
grouped to simulate data acquisition over a double coverage by the receiver subs while the
source would be at the center of the “summed” receiver sub array, allowing deeper imaging of
the surrounding formation.

The identified embodiments are exemplary only and are therefore non-limiting. The

details of one or more non-limiting embodiments of the disclosure are set forth in the
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accompanying drawings and the descriptions below. Other embodiments of the disclosure
should be apparent to those of ordinary skill in the art after consideration of the present

disclosure.

BRIEF DESCRIPTION OF DRAWINGS

Figure 1 is a partial schematic representation of an exemplary apparatus for
measurement while drilling that is compatible with the devices, systems and methods of this
disclosure.

Figure 2 is a schematic illustration of an embodiment of a single well seismic
investigation system in accordance with the present disclosure, as well as seismic ray paths
from source via reflectors (bed boundaries) to receivers.

Figure 3 is a cross-sectional top-view schematic illustration of an embodiment of a
seismic vibrator according to this disclosure.

Figure 4 is a cross-sectional top-view schematic illustration of an embodiment of a
seismic vibrator according to this disclosure, including single hinge pad guidance.

Figure 5 is a cross-sectional top-view schematic illustration of an embodiment of a
seismic vibrator according to this disclosure, including double hinge pad guidance.

Figure 6 is a schematic illustration of an embodiment of a hydraulic-based pressure
control system for articulating push pads of seismic vibrators according to this disclosure,
where the pressure control is performed by a supply of fluid.

Figure 7 is a schematic illustration of an embodiment of a hydraulic-based pressure
control system for articulating push pads of seismic vibrators according to this disclosure,
where the pressure control is performed by a supply and exhaust of fluid.

Figure 8 is a schematic illustration of an embodiment of a hydraulic-based pressure
control system for articulating push pads of seismic vibrators according to this disclosure,
including a feedback control between push pressure and control valve position.

Figure 9 is a schematic illustration of a valve suitable for use with embodiments of
seismic vibrator pressure control systems.

Figure 10 is a stylized graph illustrating the effect of valve opening shape on fluid
pressure due to operation of a rotor-stator valve.

Figure 11 is a schematic illustration of an embodiment of a hydraulic-based pressure
control system for articulating push pads of seismic vibrators according to this disclosure,

where two pairs of pads are acting asynchronously.
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Figure 12 is a graph illustrating force output for direction for the seismic vibrator of
FIG. 11.

Figure 13 is a stylized illustration of stresses generated in near wellbore from operation
of the seismic vibrator of FIG. 11.

Figure 14 is a cross-sectional top-view schematic illustration of an embodiment of a
seismic vibrator according to this disclosure, capable of generating non-spherical seismic
signal around a’ wellbore.

Figure 15 is a schematic illustration of an embodiment of a seismic vibrator according
to this disclosure, including instrumentations associated with vibrator operation.

Figure 16 is a graph illustrating signal coding consistent with this disclosure, while
frequency sweep is being performed.

Figure 17 is a graph illustrating an embodiment of signal coding consistent with this
disclosure, while phase shift is being used as a coding method.

Figure 18 is a schematic illustration of an embodiment of a downhole seismic borehole
investigation system according to this disclosure, when one seismic source is installed.

Figure 19 is a schematic illustration of an embodiment of a seismic vibrator inside a
collar.

Figure 20 is a schematic depiction of seismic rays travelling around a wellbore in case
of a forwards reflector, allowing visualization of certain portions of the reflectors.

Figure 21 is a schematic illustration of an embodiment of a downhole seismic borehole
investigation system according to this disclosure, when two downhole seismic sources are
installed.

Figure 22 is a schematic depiction of seismic rays travelling in and around a wellbore
in case of a forwards reflector when two downhole sources are transmitting one in a given
time.

Figure 23 describes a geometrical combination of two successive data acquisition
sequences, using a BHA with two sources, and when the upper source has been located at the
same position as the lower source during the first data acquisition.

Figure 24 is a schematic depiction of an enhanced width of view provided by
combining the seismic investigation system of FIG. 20 with a second seismic source at the
surface.

Figure 25 is a semblance map useful for data reduction prior to transmission, showing

the position of peaks in the semblance map versus the position of reflectors near a wellbore.
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DETAILED DESCRIPTION
Unless defined otherwise, all technical and scientific terms used herein have the same
meaning as is commonly understood by one of ordinary skill in the art to which this disclosure
belongs. In the event that there is a plurality of definitions for a term herein, those in this

section prevail unless stated otherwise.

2% 2% ¢

Where ever the phrases “for example,” “such as,” “including” and the like are used
herein, the phrase “and without limitation” is understood to follow unless explicitly stated
otherwise. Therefore, “for example a mud turbine generator” means “for example and without
limitation a mud turbine generator.”

The terms “comprising” and “including” and “involving” (and similarly “comprises”
and “includes” and “involves”) are used interchangeably and mean the same thing.
Specifically, each of the terms is defined consistent with the common United States patent law
definition of “comprising” and is therefore interpreted to be an open term meaning “at least the
following” and also interpreted not to exclude additional features, limitations, aspects, etc.

The term “about” is meant to account for variations due to experimental error. The
term “substantially” is meant to permit deviations from the descriptive term that don’t
negatively impact the intended purpose. All measurements or numbers are implicitly
understood to be modified by the word about, even if the measurement or number is not
explicitly modified by the word about. All descriptive terms are implicitly understood to be
modified by the word substantially, even if the descriptive term is not explicitly modified by
the word substantially.

The verbs “activate” and “fire” and “transmit” are used interchangeably and mean the
same thing.

The terms “wellbore” and “borehole” are used interchangeably.

“Measurement While Drilling” (“MWD?”) can refer to devices for measuring downhole
conditions including the location of the drilling assembly contemporaneously with the drilling
of the well as well as insuring telemetry to surface. “Logging While Drilling” (“LWD”) can
refer to devices concentrating more on the measurement of formation parameters. While
distinctions may exist between these terms, they are also often used interchangeably. . Both
terms are understood as related to the collection of downhole information generally, to include,
for example, both the collection of information relating to the position of the drilling assembly

and the collection of formation parameters.
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The terms “connected” or “attached” or the like are understood to be modified by
“directly or indirectly.” In other words, if A is attached to B, it may be directly attached to B
or indirectly attached to B through additional components.

FIG. 1 illustrates a non-limiting, exemplary well logging system used to obtain well
data and other information, in which may be integrated the seismic vibrator devices and
seismic acquisition systems in accordance with embodiments of the present disclosure.

FIG. 1 illustrates a land-based platform and derrick assembly (drilling rig) 215 and drill
string 212 with a well logging data acquisition and logging system, positioned over a wellbore
211 for exploring a formation F. In the illustrated embodiment, the wellbore 211 is formed by
rotary drilling. Those of ordinary skill in the art given the benefit of this disclosure will
appreciate, however, that the subject matter of this disclosure also finds application in
directional drilling applications as well as rotary drilling, and is not limited to land-based rigs.

A drill string 212 1s suspended within the wellbore 211 and includes a drill bit 205 at its
lower end. The drill string 212 is rotated by a rotary table 216, energized by means not shown,
which engages a kelly 217 at the upper end of the drill string 212. The drill string 212 is
suspended from a hook 218, attached to a travelling block (also not shown), through the kelly
217 and a rotary swivel 219 which permits rotation of the drill string 212 relative to the hook
218.

Drilling fluid or mud 226 is stored in a pit 227 formed at the well site. A pump 229
delivers the drilling fluid 226 to the interior of the drill string 212 via a port in the swivel 219,
inducing the drilling fluid 226 to flow downwardly through the drill string 212 as indicated by
the directional arrow 208. The drilling fluid 226 exits the drill string 212 via ports in the drill
bit 205, and then circulates upwardly through the region between the outside of the drill string
212 and the wall of the wellbore, called the annulus, as indicated by the direction arrows 209.
In this manner, the drilling fluid 226 lubricates the drill bit 205 and carries formation cuttings
up to the surface as it is returned to the pit 227 for recirculation.

The drill string 212 further includes a bottom hole assembly (“BHA”), generally
referred to as 200, near the drill bit 205 (for example, within several drill collar lengths from
the drill bit). The BHA 200 includes capabilities for measuring, processing, and storing
information, as well as communicating with the surface. The BHA 200 thus may include,
among other things, one or more logging-while-drilling (“LWD”) modules 220, 220A and/or
one or more measuring-while-drilling (“MWD”’) modules 230, 230A. The BHA 200 may also

include a roto-steerable system and motor 250.
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The LWD and/or MWD modules 220, 220A, 230, 230A can be housed in a drill collar,
and can contain one or more types of logging tools for investigating well drilling conditions or
formation properties. The logging tools may provide capabilities for measuring, processing,
and storing information, as well as for communication with surface equipment.

The BHA 200 may also include a surface/local communications subassembly 210,
which may be configured to enable communication between the tools in the LWD and/or
MWD modules 220, 220A, 230, 230A and processors at the earth’s surface. For example, the
subassembly 210 may include a telemetry system that includes an acoustic transmitter that
generates an acoustic signal in the drilling fluid (a k.a. “mud pulse”) that is representative of
measured downhole parameters. The acoustic signal is received at the surface by
instrumentation that can convert the acoustic signals into electronic signals. For example, the
generated acoustic signal may be received at the surface by transducers. The output of the
transducers may be coupled to an uphole receiving system 290, which demodulates the
transmitted signals. The output of the receiving system 290 may be coupled to a computer
processor 285 and a recorder 245. The computer processor 285 may be coupled to a monitor,
which employs graphical user interface (“GUI”) 292 through which the measured downhole
parameters and particular results derived therefrom are graphically or otherwise presented to
the user. In some embodiments, the data is acquired real-time and communicated to the back-
end portion of the data acquisition and logging system. In some embodiments, the well data
may be acquired and recorded in the memory in downhole tools for later retrieval.

The LWD and MWD modules 220, 220A, 230, 230A may also include an apparatus for
generating electrical power to the downhole system. Such a power generator may include, for
example, a mud turbine generator powered by the flow of the drilling fluid, but other power
and/or battery systems may be employed additionally or alternatively.

The well-site system is also shown to include an electronics subsystem having a
controller 260 and a processor 285, which may optionally be the same processor used for
analyzing logging data and which together with the controller 260 can serve multiple functions,
in particular to trigger the start of seismic data acquisition via downlink command. For
example, the controller 260 and processor 285 may be used to power and operate the logging
tools such as the seismic investigation tool mentioned below. The controller and processor
need not be on the surface as shown but may be configured in any suitable way. For example,

alternatively, or in addition, the controller and/or processor may be part of the MWD (or
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LWD) modules or part of the drill string on which the seismic investigation tool or seismic
sources or receivers are positioned or may be on-board the seismic tool itself.

In some embodiments of the devices, methods and systems according to this disclosure,
the electronics subsystem (whether located on the surface or sub-surface on or within the tool
or some combinations thereof) can include one or more of clock synchronization protocols,
machine-readable instructions for data reduction in advance of transmission, and machine-
readable instructions for analyzing the distance and orientation of one or more bed boundaries
from data collected in response to seismic signals generated by seismic vibrators according to
this disclosure.

The disclosure provides downhole seismic sources. In some embodiments, the
downhole seismic sources are compatible with seismic-while-drilling (“SWD”) systems, which
may be associated with measurement-while-drilling (“MWD?”) systems. For example, the
downhole seismic sources can be integrated into drill-string components, for example drill pipe
or drill collars, and for example drill pipe or drill collars including the bottom hole assembly
(“BHA”). In some embodiments, the downhole seismic sources are configured to generate a
range of low frequency signals (a sweep wave) suitable for imaging around the drill-string and
ahead of the drill bit, which may be useful in geosteering. In some embodiments, the
downhole seismic sources produce signals ranging in frequency up to about 700 Hz, or ranging
from about 5 Hz or from about 10 Hz up to about 700 Hz, or up to about 500 Hz, or up to
about 400 Hz, or up to about 300 Hz, or up to about 250 Hz.

The disclosure also provides integrated downhole seismic systems including at least
one downhole source and at least one downhole receiver. In some embodiments, the systems
are configured to determine the distance and orientation of bed boundaries, including around
the drill-string and ahead of the drill bit. In some embodiments, the systems are capable of
imaging reflectors up to about 200 m or up to about 300 m or up to about 400 m or up to about
500 m from the source (penetration into the surrounding formation). In some embodiments,
the systems further include an electronics subsystem having data processing capabilities for
determining the distance and/or orientation of at least a portion of the reflectors (bed
boundaries) near the seismic system, for example capable of determining a first or at least a
first bed boundary closest to the source for every direction around and ahead of the source, or
for example up to five bed boundaries closest to the seismic source for every direction around
and ahead of the source. In some embodiments, the systems further include data processing

capabilities for determining rock properties, such as seismic velocity (e.g., compression and/or
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shear velocities). In some embodiments, the systems further include a data management
subsystem compatible with wired-drill-pipe as telemetry for transferring collected data to the
surface. In some embodiments, the systems further include a data management subsystem
compatible with drill string including MWD as telemetry to surface.

The disclosure also provides methods for downhole seismic, including single well and
cross-well seismic. In some embodiments, the methods include obtaining seismic information
around the drill-string and ahead of the drill bit, for example up to about 200 m or up to about
300 m or up to about 400 m or up to about 500 m in depth.

Seismic Source. The seismic vibrator is based on extendable and retractable pad

designs (“moveable pads”). In general, the seismic vibrator can be integrated into a tubular
compatible with the drill string, for example the drill pipe or drill collar and can include some
moveable (articulating) pads integrated into the tubular , where the moveable (articulating)
pads are sized to extend against the borehole wall. In some embodiments, the vibrator is
integrated into a sleeve and includes some moveable (articulating) pads integrated into that
sleeve: the sleeve is mounted as “free rotating” around the main system tubular connected to
the drill string. Such construction allows the vibrator sleeve (and moveable pads) to stay static
when the drill string rotates.

In operation, the pads are extended to contact the borehole wall and force is then
applied to the pads to compress the wall. When the pushed force is modulated, a seismic wave
can then be transmitted into the formation surrounding the borehole. The modulated force can
be considered as the superposition of a constant compression force and an “alternating” or
“modulated” force. The second component (the modulated force) may generate the seismic
signal. In some embodiments, the force applied onto the pads is radial. In some embodiments,
the force applied onto the pads should not create reaction on the tubular. Thus, in some
embodiments, all the pads act in phase so that the overall seismic force amplitude is the sum of
the individual pad forces. In some embodiments, the modulated force has a frequency
bandwith within about 5 to about 500 Hz and an amplitude ranging from about 1000 to about
60,000 Newtons. The force output may be achieved over a wide range of frequencies as
mentioned previously. In some implementations, the force output may be of nearly constant
amplitude for each frequency in the desired range, up to about 700 Hz (potentially including
harmonic signals), or ranging from about 5 Hz or from about 10 Hz up to about 700 Hz, or up

to about 500 Hz, or up to about 400 Hz, or up to about 300 Hz, or up to about 250 Hz.
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With such force output versus frequency bandwidth, the wavelet after cross-correlation
can be quite narrow and of high amplitude, allowing high resolution of seismic images (after
correlation) and also allowing separation of reflectors of limited distance. Generally, the larger
the bandwith (number of octaves) the greater the quality of correlation wavelet (narrow, high
center lobe amplitude, and low amplitude for side lobe), where the central frequency defines
the resolution and capability to recognize adjacent reflectors while the large amplitude- low
frequency enables stabilization of the correlation process.

FIG. 2 illustrates an example use of a downhole seismic source with receiver in the
same borehole. The source 92 is installed in the BHA relatively close to the bit 93. Several
seismic receivers 91a, 91b, 91c¢ are installed in the same BHA at relatively regular distance
from one another. The source 92 can be positioned at the low side of the drill-string, while one
or more receivers can be installed above the source. The figure indicates the seismic ray paths
from the source 92 to various earth interfaces acting as reflectors and reflecting signal towards
the receivers 91a, 91b, 91c¢.

FIG. 3 is a top-view, cross-section, schematic illustration of an embodiment of a
seismic vibrator 92 (also referred to as a seismic source) suitable for use downhole. As shown,
the seismic vibrator 92 includes four moveable members 30 (also called ‘force generating
members’ or ‘articulating members’) co-located in an axis-symmetric pattern within a drill
collar 1 of a MWD system. In other words, the movable members 30 are located at the same
axial position and are uniformly distributed about the circumference of the drill collar 1 (the
distribution could be at 120 degree offset).

The moveable members 30 include a contact pad 2, push system 3 (a piston in the
instant example), and a ball joint 4. The contact pad 2 can be pushed radially by a mechanical
activation system such as piston 3. Ball joint 4 provides tiltable or pivotable coupling of the
contact pad 2 to the piston 3 so that the contact pad 2 can have desirable, and in some
embodiments, optimum, contact with wellbore wall (not shown). Such configurations may
limit the local contact stress as the push pad 2 is laid against the wellbore, in a manner that may
avoid damage in the rock (including rock failure), as well as insure seismic signal transmission
in the linear range of the rock behavior, resulting in limited non-linearity and generation of
harmonics.

The moveable g members 30 can be integrated into the drill collar 1 by any suitable
means. Similarly the moveable members 30 may be actuated between a retracted position and

an extended position by any suitable actuating device. For example, the moveable members 30
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may be hydraulically actuated by a hydraulic control system within the interior of the drill
collar 1. A control valve 10, described in more detail below, and which may form part of the
hydraulic control system, is shown in the center of the drill collar 1 (see, e.g., FIGS. 6-8, 11,
14).

Although in the illustrated embodiment, the contact pads 2 with the associated push
system or piston 3 are retractably attached to the drill collar 1 (retractably integrated into the
drill collar 1), they may in fact be retractably attached anywhere along the drill string, and for
example they may be retractably attached to any tubular housing along the drill string. The
retracting effect (or push back) can also be performed by contact with the wellbore when the
collar moves in the wellbore. In such an embodiment, the contact pads 2 may have large
chamfers (not shown) on the edges. Example of suitable means for retractably attaching
pistons along a tube collar can be found in a “push-the-bit” Rotary Steerable System such as
the Schlumberger PowerDrive ™ device or in LWD systems designed to measure formation
pressure such as the Schlumberger STETOSCOPE™ system.

In some embodiments, the contact pads 2 with push systems 3 are not co-located (they
are not all at the same axial position) and one or more of the moveable members 30 may be
offset from other moveable members 30. However, positioning moveable members 30 at the
same axial position may minimize the generation of force and bending in the tubular, limiting
parasitic excitations of movement in the tubular. In some embodiments where there is some
axial offset between moveable members 30, parasitic movement can be taken into account for
signal reception and decoding. In such system embodiments, the receiving sub can be
equipped with axially distributed sensors (accelerometers or geophones) to detect the
propagation of bending waves induced by the push forces with axial offset at the source, and to
allow suppression of this parasitic signal out of seismic information via specific processing.

In one source embodiment, the bending of the source collar may also induce parasitic
contact with wellbore and induce seismic signal in the formation surrounding the wellbore. To
insure stable emission of this secondary effect, stabilizers (not shown) can be installed above
and below the set of pads 2. Also, the pad force may be positive in the whole transmission
cycle forcing the pads 2 and stabilizers to keep steady contact with the borehole and avoiding
local impact during the cycle when these elements could become loose followed by sudden
contact with the borehole wall.

In some embodiments, there are two, three or four or more moveable members 30. The

moveable members 30 can be distributed in an axis-symmetric pattern (uniformly) about the
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tubular. For example, FIG. 4 is a schematic illustration of an embodiment of a seismic
vibrator, which has four moveable members 30 distributed around a tubular 1 with a 90 degree
offset.

FIGS. 4 and 5 are top-view, cross-sectional illustrations of embodiments of seismic
vibrators that provide “mechanical freedom” to contact pads 2, for example to achieve desired
contact with the wellbore wall. As shown, the force generation system includes movable pads
2, which pads are actuated with push pistons 3, and are attached to the collar 1 via a flexible
hinge assembly comprising a flexible member (or ‘articulated linkage’) § and one or more joint
hinges 6. The flexible member S (and hence the flexible hinge assembly) can oscillate. The
contact surface 8 between the force generation system 3 and the pad 2 may accommodate for
tangential displacement of the pad while moving outwards. This tangent displacement is due
to the hinge attachment 6 and linkage 5. In some embodiments, the contact surface 8 in the
pad 2 has a larger radius of curvature than the contact 4 of the piston 3.

Regarding the joint hinges 6, this component restrains the pad 2 to the collar 1,
reducing the chance of losing the pads 2 in the wellbore during the drilling actions. Whereas
the embodiment of FIG. 4 is based on a single hinge approach, the embodiment of FIG. 5
includes a double hinge system. A double hinge system may improve the contact between the
pad 2 and the borehole wall as compared to the single hinge system; in the double-hinge
system the pad 2 may rely on the whole surface of contact to transmit the force rather than only
the edge of the pad 2 (opposite to the hinge). In either case, the flexible (potentially
oscillating) hinge joint assembly may allow the pad 2 to be slightly inclined versus the collar
axis, thereby enabling the pad 2 to be in contact with the borehole wall over a greater surface
area of the pad 2, and potentially the whole surface of the pad 2, than otherwise. Such an
arrangement may have the advantage of facilitating transmission of the push force to the
formation even when the collar is not in the center of the hole, or even if the hole is not fully
circular and even if the hole is locally slightly conical.

FIGS. 6, 7, 8 and 11, 14 are schematic illustrations of hydraulic-based control systems
for generating a push force against the pads 2. For example, the push force can be generated
via the application of fluid in the cavity 7 of the tubular 1 acting against the internal surface of
the piston 3. The control of this pressure enables the proper selection of the push force against
the borehole. In some embodiments, the seismic vibrator is a “monopole source” with all the
contact pads 2 extending in phase with force of same amplitude, resulting in a quasi-spherical

shaped wave as the transmitted wavelength is quite larger than the borehole diameter (e.g.,
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more than 10 fold: typically the borehole diameter is less than about 0.25 meter while the
wavelength typically ranges from about 10 to about 300 meters for frequencies between about
300 and about 10 Hz).

Referring to FIG. 6, the pressure applied onto the force generation devices 3 (in this
case pistons) can be directly derived from the difference of pressure across the tubular (e.g., the
drill collar) 1, which in some embodiments is present during drilling, as the mud flow passes
through the bit nozzle. Stated otherwise, the pressure in the mud channel at the bottom of the
drill string can be several hundred psi higher than the pressure around it (for example on the
order of about 800 psi or greater). This pressure differential may be exploited, for example,
together with a valve system to create force to actuate the pistons 3.

FIG. 6 illustrates an embodiment of a valve system for creating force to actuate the
pistons 3. As shown, a valve 10 can be used to control the application of pressure onto the
pistons 3. A motor 11 operates the valve 10 to feed fluid from an internal flow channel 27 to
the cavities 7 via the channel 9 and the manifold 12. The fluid provided by the valve 10 acts
on the pistons 3, while continuously escaping to the annulus via the exhaust channel 13 where
pressure drop is generated via the nozzle 14. With such design, the push force will return to
zero when the valve 10 is closed, as the pressure is bled via the exhaust nozzle 14. The
pressure in the cavities 7 relates to the degree of opening of the valve 10, where the larger the
opening, the higher the pressure in the cavities 7, as this pressure is approximately obtained as
a relation of the pressure-drop in the valve 10 and in the choke 14, as follows:

Pinside — Pannutus = (Pinside — Peavity7) T (Peavity7 — Pannulus)
= Delta pressure varye 10 + Delta pressure cpoke 14
where P annyis = pressure outside the tubular 1.

With a larger opening of the valve 10, the pressure in the valve 10 is reduced while
allowing a larger flow through the valve 10. Some of this flow fills the cavities 7 pushing the
pistons 3 outwards while the rest of the flow escapes to the annulus via the choke 14. As the
flow through the choke 14 increases, the pressure drop across the choke 14 also increases
following the approximated formula:

Peioke = K p Qchoke
with:
Pcnoke = delta pressure across the choke,
K = coffeicient depending on choke design,

p = density of the fluid passing across the choke,
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Qcnoke = flow rate across the choke.

It should be noted that during the vibrator transmission period of seismic signal, the pad
2 stays in contact with the wellbore. This effect minimizes the movement of the piston 3, so
that a portion of flow fed through the valve 10 acting to push the piston 3 forward is also
minimized: the movement of the piston 3 should be related only to the compressibility of the
borehole wall. As the piston movement is small, the sinusoidal pressure effect on the pistons 3
can be obtained by proper flow control due to the opening of the valve 10 to create the proper
pressure effect as a results of two pressure drops (in the valve 10 itself and across the choke
14).

According to the embodiment of FIG. 6, the contact pads 2 act in phase and therefore
the modulated force is the sum of the force from each contact pad 2.

In some embodiments, the exhaust channels 13 and exhaust choke 14 may also be
provided inside the pistons 3 or even as a clearance between a piston 3 and the bore 17.

FIG. 7 illustrates an embodiment of a valve system for controlling pressure to the
pistons 3, e.g., inside the cavities 7. In the embodiment of FIG. 7, the valve system includes an
additional valve 15, which provides a connection to fluid outside of the tubular 1 via a channel
16. The valve 15 can be operated by a motor, such as motor 11, whose operation is out of
phase in comparison with supply valve 10. In some embodiments, a three-way valve is used,
where the three-way valve may connect a cavity 7 to the internal flow channel (supply of
pressure) 27 via supply line 9, or it may connect the cavity 7 to the exterior of the tubular 1 via
a discharge line 16. The cavity 7 may also be connected to the three-way valve by line 13. In
some embodiments, further pressure control may be achieved by using two independent motors
to operate the valves 10, 15.

As further shown in FIG. 8, in some embodiments, a control unit 150 controls the
position of the valves 10, 15 via the motor 11 to generate a sinusoidal variation in the pressure
in the cavity 7 versus time. A pressure sensor 151 can be added so that the control unit 150
can measure the pressure in the cavity 7 and adjust the valve setting for improving the pressure
control. In other words, in some embodiments, the seismic vibrator pressure control system
includes a feedback control system, which measures pressure with a gauge 151 and uses
electronics (not shown) to manage the pressure wave to maintain a sinusoidal wave. In some
embodiments, this may be accomplished by comparing the measured pressure to a reference

signal and opening or closing the valve the amount needed to adjust the measured signal to
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match the reference signal. In some embodiments, the reference signal is a sweep wave
including a range of frequencies, for example from low to high, and not a single frequency.

In some embodiments, the valves 10 and 15 may be operated by 2 independent motors
for more accurate control of the pressure applied onto the pistons 3 so that the force output is
maintained close to the reference signal.

FIG. 9 is a schematic illustration of a valve suitable for use with embodiments of the
seismic vibrator pressure control system. As shown in FIG. 9, the valve 10 includes a rotor 19,
and a static element (“stator”) 23. The rotor 19 includes a shaped window 20 whereas the
stator 23 includes a fixed hole 22. Fluid in the internal mud channel flows through the valve
10 when the shaped passage 20 overlaps the fixed hole 22 and into the cavities 7 through one
or more supply lines, such as for example, supply line 12. The control unit 150 can position
the valve 10 setting from a fully closed position to a partially or fully open position so that
fluid is fed at different rates into the cavities 7. By proper management of the pressure drop in
the valve 10 and the nozzle 14 (as well as across the optional discharge valve 15), the control
unit 150 can create pressure in the cavity 7 to set the push force of the contact pads 2.

As shown in FIG. 10, the valve rotor window 20 has a shape varying with the angle o
so that the shape of the passage formed by the overlap of the shaped window 20 with the fixed
hole 22 varies as shown in the accompanying graph. In some embodiments, the shape of the
opening formed by the overlap of the shaped window 20 and the fixed hole 22 is chosen to
vary with angular position such that the push force on the contact pad 2 is an approximation of
a sine wave. Although a fixed hole 22 is shown on the stator 23, the rotor 19 and stator 23 may
independently have any shaped cut-outs such that the shape of the passageway formed as the
rotor 19 rotates, forming an opening through which fluid may flow, results in a desired contact
pad push force profile.

With the described valve of FIG. 9, one pressure cycle is generated for each valve
rotation because the valve window 20 covers 180 degrees of the valve rotor 19. In some
embodiments, “N” pressure cycles are obtained per revolution by constructing a valve that
covers 360 degrees/(2xN), and providing N fixed holes in the stator 23 at angle 360/N degrees,
where the N fixed openings are interconnected in order to feed fluid pressure into all the pads.
For example, if N=3, 3 pressure cycles can be obtained per valve rotation, enabling generation
of higher signal frequency while maintaining the valve rotation speed at low value.

Without wishing to be bound by theory, in general, the frequency of the modulated

force depends on the rotational speed of the valve(s) and the valve construction. The force
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amplitude is primarily controlled by the difference of pressure across the collar and the surface
of the push piston. The purity of the sine wave (no harmonic) is defined by the linearity of the
pressure. In some embodiments, the valve shaft can rotate up to about 3600 RPM, which
corresponds to about 60 Hz rotation. With three pressure cycles per turn, the frequency of
pressure fluctuation may be up to about 180 Hz. In some embodiments, where the motor 11
approximately outputs 1 kilowatt, the system would able to operate to about 250 Hz.

Higher frequency contained in the seismic signal could be obtained from the harmonic
distortion of the base signal. In such a case, the cross-correlation includes the whole frequency
spectrum, not only the theoretical content. For such input to cross-correlation, the transmitted
signal should be measured: this can be obtained via accelerometers (41 in FIG. 15) on the pad
2 or pressure gauge 151 to determine the real transmitted signal, so as to include signal up to
about 500 Hz if the second harmonic is included or even up to about 750 Hz if the third
harmonic is included.

In some embodiments, poppet valve or needle valve can be used for valve 10 and/or 15.
Such valve may be associated with linear actuator or by rotary actuator acting via push cam.
As the fluid to control is “drilling mud,” the valve element may be constructed out of PDC
material to be wear resistant.

In some embodiments, where there is an even number of pads 2, such as shown in FIG.
11, the pads 2 can be grouped in pairs (i.e., pairs of pads are 180 degrees apart). In the
embodiment of FIG. 11, the valve system may be modified so that the pairs of pads 2 are
activated at a 90 degree phase difference. When the pads 2 on one axis are pushed out, the
pads 2 along the other axis are released. The valve system is a combination of two valves 10,
25 operated with a 90 degree phase difference. Each pairs of pads has its own flow release
nozzle 14, 26. In some embodiments, the two valves 10, 25 are operated by the same motor
11. In some embodiments, the two valves 10, 25 are operated by independent motors. In
embodiments with two motors, the pairs of pads may be operated either synchronously or
asynchronously. In some embodiments, the exhaust fluid can pass through control valve, e.g.,
valve 15 of Fig 7: in this case, two exhaust valves can be used for each independent pair of
pads. Each of the exhaust valves can be driven by the same motor of the supply valve (e.g.,
either 10 or 25 of Fig.11). In some embodiments, each valve can be driven by its own motor:
when 2 exhaust valves and 2 supply valves (e.g., 10 and 25) are being used, a total of 4 motors
may be used. With such independent valve control, each pair of pads can deliver proper

sinusoidal output for all frequencies and for most applications. In some embodiments, the
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valve is configured as shown, with two discharge ports 22, 24 positioned 180 degrees apart.
Such embodiments may be configured to result in each pair of pads generating a sinusoidal
force oriented geometrically at 90 degrees from each other. The forces also have a 90 degree
phase shift in the time domain as illustrated in FIG. 12. Other phase differences between the
excitations of the 2 pairs of pads can be considered for specific usage.

As shown in FIG. 13, the source of FIG. 11 may also generate S-waves in the earth
medium surrounding the seismic vibrator. Specifically, when a pair of pads 2 creates a force
41 against the borehole 46, two zones 42 of compression stress appear in the vicinity of the
activated pads 2 and at the right angle diameter, two zones 43 of tensile stress appear.
Between these regions, four zones 44 of shear stress are also created. It should be noted that
the stress amplitude is not constant across these zones. In an ideal case, the shear planes in all
of zones 44 would be as parallel as possible. The generated shear stress propagates in the earth
and induces reflection at interface in the surrounding formations. If the receiver subs are
equipped with proper transducers, the reflected shear waves can be detected, enabling the
creation of a seismic image based on shear wave propagation and reflection; such images
contain additional information about the medium crossed by the waves such as anisotropy of
the formation. In an embodiment shown in FIG. 14, shear generation can also be achieved
with a system having only one pair of active pads 2. In some embodiments, a valve 10 can be
installed in the exhaust line 13 in a similar way as the valve 15 of Fig.7. Shear can be
generated in both major planes of transmission by rotating the device 90 degrees between
sweeps.

In an embodiment illustrated in FIG. 15, the seismic vibrator includes additional
instrumentation directed at determination of signal and noise generated during transmission.
For example:

o Pressure sensor 151 measures the pressure applied to pistons 3, facilitating proper
determination of push force variation versus time.

. Pressure sensor 35, which is connected to the internal flow line 27 via the connection
line 36, measures the reference internal flow pressure (i.e., the reference supply pressure) and
thereby monitoring change in the supply pressure. In some embodiments, where pressure
sensor 35 is a hydrophone, the effect of vibrator modulation on certain parasitic noise can be
determined. Vibrator modulation generates some by-pass flow directly to the annulus via the

valve system; this means that the flow through the drill-bit nozzle is modulated so that the
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pressure in the channel 27 is also modulated with small amplitude. This fluid pressure
modulation generates tube wave in the annulus, as well as in the flow channel 27.

o The pressure sensor 33 is connected to the fluid in the wellbore annulus via the
connection line 34. This pressure gauge 33 facilitates determination of the back pressure onto
the pistons 3 and therefore determination of the absolute push force on the pads 2 via the piston
3.

o A hydrophone 37 is connected to the fluid in the wellbore annulus via a connection line
38. This sensor 37 facilitates determination of the near-field acoustic signal, which may enable
determination of the seismic amplitude transmitted in the surrounding medium, as well as the
receiving seismic signal with “zero offset” from the source.

o Accelerometers 41 are mounted onto the pads 2 to determine the signal transmitted to
the formation. This acceleration depends on the push force and the seismic impedance of the
formation (the formation rigidity). In some embodiments, a 1-C accelerometer may be
sufficient to measure the radial movement (via the displacement sensor 39). The measurement
of pad acceleration allows correction of the determination of the delivered push force by the
vibrator, including effect of the formation elastic deformation.

o The accelerometer (geophone) 32 is mounted onto the body 1 to determine the acoustic
noise into the tubular. With a 2-C accelerometer (radial and axial movement), it is possible to
characterize the noise transmitted into the tubular, so that a digital filter would permit
attenuation of this noise from the measurement performed at the receiving station. With a 3-C
accelerometer (or the 2 radial components), it is possible to determine if some push pads are
not properly in contact with the wellbore, as the collar would be subjected to radial
acceleration.

o Displacement sensors 39 facilitate determination of the position of the pistons 3 (pad
opening). In some embodiments, the displacement sensors 39 can be used to insure that the
pistons 3 are not fully extended so that they cannot transmit force into the formation. The
displacement sensors 39 could be placed to monitor directly the position of the pads 2. The
sensor output is a good complement to the output of the accelerometer 41. Furthermore, it
gives information of full pad extension and false signal (force) output to the formation when
working in enlarged borehole.

o Pressure sensor 151 can be associated with a hydrophone for improved dynamic

pressure measurement.
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In each case, in some embodiments, the output of these sensors can be connected to the control
unit 150 in order to optimize the control of the valve (e.g., force amplitude, minimum
harmonic, etc.), as well as the exhaust valve if being installed in the vibrator.

As previously discussed, the exemplified seismic vibrators can be configured to
generate sinusoidal force in the earth with properly designed valve control, including having a
sine wave which changes in frequency between a low value and a high value versus the
transmission time (FIG. 16). Other sweeps may also be performed, again relating to the design
of the valve control. The resulting transmitted signal may be auto-correlated to itself to obtain
the characteristic auto-correlation wavelet which is equivalent to an “impulse” of the
transmitted signal which has a quasi-constant amplitude and phase over the frequency
bandwidth (FFT results, as shown in FIG. 16). Limiting harmonic generation may improve
signal quality. Harmonic signals can be within the bandwidth of interest: then the correlation
with reflected signal may be perturbed, thereby reducing the quality of the seismic image.

In some embodiments, seismic vibrators according to this disclosure due to their low
inertia (for example because they have low pad weight and limited pad movement), may also
or alternatively be configured to code the signal via phase-shift (FIG. 17). Such a coding may
have the advantage of reducing the parasitic effect of harmonic. However it may be limited in
frequency bandwidth corresponding to a limited ability to separate reflectors if they are too
close to each other.

The systems described herein may have one or more of the following advantages:

o Large push force against the formation, generated by fluid hydraulic;

o Compliance to low rigidity formation;

o Self adaptation to over-gauge hole;

o Control system;

o The by-pass flow is limited so that the flow fluctuation across the bit nozzle is limited

(This means the internal pressure fluctuation is limited, so that parasitic noise modulation is
small);

o The system can be adapted to existing technology used in Rotary Stererable System
such as SCHLUMBERGER’s PowerDrive™ valve;

o There is no or limited excitation in the tubular system (drill string), and limited system
resonance and non-linearity;

o Minimum or no noise generation in the tubular as the pads are acting in radial and axis-

symmetrical ways;
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o There is no or limited force between the tubular and the borehole wall (for example as
opposed to a vibrator with only one pad, which may result in the tubular being pushed against
the other side of the borehole resulting in contact force being distributed over some length,
inducing smearing of the signal transmitted at the contact and reducing spatial resolution);

o The source can be located at one point in the wellbore;

Systems. The disclosure also provides integrated downhole seismic investigation
systems based on sources described herein. The systems include at least one source, one or
more receivers, and an electronics subsystem for data management and/or clock
synchronization among the one or more receivers.

In some embodiments, the source(s) and receiver(s) are both located downhole in a
single well (“single well seismic system™). In some embodiments, the single well seismic
system is configured to fit in a tubular system lowered into a wellbore. For example, a source
and related array of receivers are installed in drill string lowered into a wellbore. In some
embodiments, the single well seismic system is configured for integration into a bottom hole
assembly (BHA) and, for example, the lower end of the BHA. In some embodiments, the
source(s) and receiver(s) are both located downhole but are deployed in different wells (“cross-
well seismic system”). Although only a single well system is described herein, a person of
skill upon reading this disclosure would be able to implement the seismic system across two
wellbores. For example, a person of ordinary skill would understand that the transmission sub
could be deployed in one wellbore, while the array of receiver subs could be deployed in
another wellbore. Or for example, a person of skill would understand that while the source
may be implemented in one wellbore for an MWD operation, such as being integrated into a
drill string such as the BHA, the receivers may be implemented in another wellbore on a drill
string, in a wireline application, or any other means of deploying the receiver(s) such as the
array of receivers or array of receiver subs in the second well.

FIG. 18 is a schematic illustration of an embodiment of single well seismic system in
accordance with the present disclosure. The single well seismic system is implemented on a
section of drill string 90 representing the BHA and including a drill bit 93 and three tubular
sections 91a, 91b, 91c¢ representing three receiver subs, respectively. The seismic source (the
vibrator) 92 is also installed in the BHA. Around the tubular, the well defines a fluid annular
95 with the formation. This bottom section of the drill string 90 includes drill-collars just above

the bit 93, with the drill string 90 being extended to the surface with drill-pipes. The drill-
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collar section can include MWD and LWD tools. In addition, a steerable system (e.g. motor or
rotary steerable system) may also be installed just above the bit 93.

The seismic vibrator 92, as previously described, is installed into the lower extremity of
the drill-string 90 nearby the drill bit 93 and for example above the steerable system. The
distance D S-bit (in FIG. 18), which is the distance between the bit 93 and the source 92, is
typically small in comparison to the seismic wave length of interest. When the source 92 is
nearby the drill bit 93, wave propagation in the tubular (drill string 90) and annulus 95 will be
simplified as single waves propagating in place of direct (upwards) and reflected waves at the
lower extremity of the drill-string 90 and wellbore. However, the seismic source 92 can also
be placed at other locations along the drill string 90.

FIG. 19 describes the seismic source (vibrator) 92. The downhole source (vibrator) 92
includes a drill tubular (collar) 1 supporting at its lower extremity the push pads 2 activated by
the push pistons 3. The intake valve 10 is typically mounted at the center of the tubular 1 such
that part of the main internal flow diverts towards the push pistons 3 via the channel 12. The
valve 10 is operated by the motor 11 which is controlled by a control unit (e.g., 150 of Figs.
8&15). In some embodiments, the control unit, motor 11 and valve 10 are on the axis of the
tubular 1. Near field hydrophone 37 is mounted onto the tubular 1 with its measurement
output connected to the control unit.

FIG. 18 also provides an example receiver array. However, the receiver array may
encompass other suitable configurations. In some embodiments, each sensor is affiliated with
a specific (different) acquisition channel so that digital filtering can be applied for proper
separation of signal and noise, as well as for steering the beam for optimum reception.

As shown in FIG. 18, the exemplified array includes an array of receiver subs 91a, 91b,
91c¢ each of which contains several independent signal receivers 94a, 94b, 94¢ installed in each
of three tubular sections. The signal receivers 94a, 94b, 94c are typically connected to
individual seismic data acquisition channels. The signal receivers of each receiver sub are
combined to form a group of seismic sensors. Each grouping may include a set of
hydrophones and a set of geophones. It is also contemplated that the grouping could include a
set of accelerometers in addition to or in lieu of one of the other sets of receivers. For
example, in some embodiments, the grouping includes a set of hydrophones and a set of
accelerometers.

Although three receiver subs are shown, two or more receiver subs are contemplated,

for example 2-4 (or for example up to 10) receiver subs. The choice of the number of receiver
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subs is generally to balance imaging performance with expense. In some embodiments, the
inter-receiver distance (D Rcv) is about 30 m, as measured from the center of one group to the
center of an adjacent group, whereas the intra-receiver distance is about 3 m. Both the inter-
receiver and intra-receiver distance may vary from the example of FIG. 18. For example, the
inter-receiver sub distance may range from about 10 m to about 70 m, even about 100 m, and
the intra-receiver distance may range from about 3 m to about 10 m.

Generally speaking, the inter- and intra-receiver spacings relate to the depth of view
into the formation and the width of that view. In some embodiments, the receivers are
configured to enable imaging seismic reflectors (e.g., bed boundaries) at a distance of up to
about 200 m, or up to about 300 m, or up to about 400 m, or up to about 500 m while
maintaining a resolution of about 10 meters or more. In some embodiments, even deeper
imaging can be achieved, though such deep imaging may come at the expense of resolution. It
should be noted that the distance between the receiver sub and the source (D1 Rcv) may be
different than the nominal distance between successive receiver subs (D Rcv). Often D1 Rev
is half D Rev, to simulate the common layout of surface seismic, where the source would be
fired at mid-distance at the center of gravity of a sensor group.

In some embodiments, the receiver subs may include three hydrophones and three
geophones. In some embodiments, each geophone and/or hydrophone is connected to its
dedicated seismic data acquisition channel. In some embodiments, the number of receivers of
each type is two or more, and the number of types of receivers is one or more. In some
embodiments, a given type of seismic sensor is installed at from 2 to 4 axial positions in a
given receiver sub. Generally speaking, the number of receivers may impact resolution, with
multiple receivers resulting in increased resolution. In some embodiments, the sensors are
installed such that they are coupled to the seismic signal travelling in the earth (and to the
wellbore fluid as applicable), and decoupled (optimally decoupled) to the signal travelling in
the collar (steel direct arrival). In further embodiments, coupling to the tube wave is
minimized by the use of geophones in contact with the wellbore. In some embodiments, the
geophone may be installed (for example near or in the blade of a stabilizer) such that if the well
is slightly inclined, the collar would touch on one side allowing reception of the seismic signal
travelling in the earth medium without transmission across the wellbore. In some
embodiments, the geophone is a 1C geophone. In some embodiments the geophone is a 3C
geophone. The receiver subs can be equipped with accelerometers (1C, 2C, 3C) in place of

geophones.
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With the downhole system as shown in FIG. 18, it should be observed that the extent of
the “detected” section of the reflectors may be limited, as the seismic signal travels from the
source to the reflector where reflection occurs while respecting the law of reflection (incident
angle = reflected angle; angle measured to the normal of the interface). FIG. 20 shows an
example of this aspect of reflector visualization with the downhole system. The well is shown
to be vertical with the BHA containing a source and 3 receivers. Several reflectors A, B, C are
shown. A few ray paths from the source to the receivers are indicated: these ray paths respect
approximately the rule of reflection angles. With such an example, the shaded portions of the
reflectors are detected by the receivers. For other parts of the reflectors, the reflected signals
do not return to the receivers. When combining information from multiple BHA positions, it
should be noted that the up-dip part of the reflectors is mapped before the wellbore crosses the
reflector, while the down-dip part is mapped after the crossing. In this example, using longer
distances between receivers may result in increasing the extent of the detected part of the
reflectors.

An embodiment of a single well seismic system is provided in FIG. 21, which is similar
to that of FIG. 18, except it includes a second source 96b installed in the BHA above all
receiver subs 91a, 91b, 91¢. As shown, the three receiver subs 91a, 91b, 91¢ are sandwiched
between the first and second sources 96a, 96b. However, the sources 96a, 96b are not limited
to being located at either end of the receiver subs 91a, 91b, 91¢, but for example one source
could be located in the middle of the receiver subs 91a, 91b, 91c.

Embodiments including two downhole sources may be useful in situations where the
reflector is perpendicular to the wellbore (FIG 22). In such cases, the reflected signal appears
to travel parallel to the wellbore. The signal propagates as the “seismic wave front” (same
velocity). Due to its late arrival (longer path), there may be overlap with the arrival of a tube
wave or Rayleigh wave, making it difficult to detect and separate these signals. However, if
two data acquisition cycles are performed by activating two sources 96a and 96b separately,
the reflected signals from a reflector perpendicular to the wellbore arrives at a different delay
versus the signal emission, facilitating separation of the reflected signal from the tube waves or
Rayleigh waves.

Without wishing to be bound by theory, it is believed that the above embodiment
facilitates wave separation based on the fact that the difference for arrival times at a given
receiver for a given type of wave for the case of transmission from the lower and upper sources

is directly related to the distance between the two sources, the distance between the lower
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source and the bottom of the well, as well as the seismic velocity of the particular type of
wave. Insuring consistency between the detected arrival time (which enables computing wave
propagation velocity) and the geometry facilitates confirmation of proper recognition of a
wave. Also, if the reflected wave and tube wave arrive at the same time after firing of a given
source, the superposition may not occur when the signal is transmitted by the other source as
the paths would be different.

When using two downhole sources, it is possible to group the acquired data to simulate
a “split” spread (the source in the center of the acquisition array). This is shown in FIG. 23,
For this embodiment, the seismic data set obtained with shot 1 and the lower source is grouped
with the data set obtained with shot 2 and the upper source. When acquiring the second data
set, the upper source is positioned at the same depth where the lower source was located during
the first shot. The amplitudes of the two data sets can be normalized in relation to the
amplitude recorded in the near-field of the source, enabling removal of the effect of amplitude
variation (for example due to two different sources being used). With such a combination, as
shown in FIG. 23, the total apparent distance covered by the receiver subs is doubled, which
may result in properly imaging reflectors at greater distance from the wellbore, for example
imaging a reflector with a larger dipping angle, more variation of reflector curvature, and/or
separating reflectors close to each other, as the random noise would be lower and higher
frequency signal may be recovered.

In some embodiments, the single well seismic system includes at least one downhole
source, at least one downhole receiver, and at least one surface source (FIG. 24). For example,
a single well seismic system can include the embodiment of FIG. 18 in addition to a second
source located at the surface. As shown in FIG. 20, the downhole seismic system detects only
part of the reflectors. The surface seismic source can move over wide offsets from the well
versus the downhole seismic receiver (RCV), allowing detection of the reflectors for the
downhole RCV over a longer extent. This is a good complement to the downhole source
illumination, however due to the longer travel path of the seismic wave in the earth, the signal
may be more attenuated especially the high frequency signal, and thus the image quality may
be reduced.

In some embodiments including an additional surface seismic source, the system can
further include a very stable (or drift compensated) clock so that the synchronization between

the surface and downhole components is kept valid for an appropriately long duration. In some
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embodiments, a wiring system can be present from surface to downhole, such as wired-drill
pipe telemetry or wireline data latching system, and is utilized for clock synchronization.

Seismic systems according to this disclosure may also include an electronics
subsystem, for example that handles clock synchronization across receivers and/or data
management, including data processing.

Data processing could include 3D seismic imaging, and/or some reflector attributes
could be processed to determine some characteristics of the formation (such as velocity and
impedance). For example, processing similar to that used in surface seismic or Vertical
Seismic Profiles (VSP) could be adapted to the seismic systems described herein. For
example, with respect to reflector attributes, in some embodiments where the receiver subs
include 3C geophones, data processing may be used to estimate the tool-face of the reflector
based upon the propagation direction of the reflected wave. This propagation direction may be
influenced by the coupling factor of the two radial components of the 3C geophone.
Accordingly, in further embodiments, to reduce the coupling effect, multiple data sets may be
acquired at different angular positions of the drill string, supposing that the string is not rotated
during each acquisition cycle. Then for each data set, using the angular position of the drill-
string (the tool-face), the two radial data sets are rotated as a vibration vector in a pre-defined
reference axis system, based on suitable tool-face measurement in the drill-string. Finally, the
multiple rotated data in the reference axis system can be stacked; the stacking process may
reduce the perturbation due to improper geophone coupling, as well as reduce the random
noise. Such a processing can be performed downhole, when the downhole system performs the
measurement of tool-face.

With respect to data processing (and in some embodiments corresponding data

management), the systems described herein may generate considerable data. For example:

1000 samples/sec — 16 bits resolution - 2.5 sec - 120 channels
. 16 X 1000 X 2.5 X 120 =4.8 Mbit  (approximately 5 Mbit)
. 3 source stations of 4 shots per minutes
- Total = 60 Mbit (before correlation)
- Total = 12 Mbit (after correlation)
- Total = 3 Mbit (after correlation & stack).
In some embodiments, the data (or subset thereof, as desired or as applicable) can be
transferred to the surface using a wired system such as a wireline cable with data-latch

connector to connect to the downhole seismic system or via a “wired-drill-pipe” telemetry
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technique such as provided by IntelliServ (NOV). In such a case, the data rate can reach about
50 kbit/s. In further embodiments, for example where a “wired-drill-pipe” telemetry system is
used, the seismic data is recorded at the surface. In other embodiments, data transfer
techniques are used in combination with data reduction techniques. For example, data
reduction is performed in order to transmit in real-time a desired set of information, or improve
the rate of transfer of information to surface. For example, when data reduction techniques
such as correlation and stacking are performed, wired-drill-pipe telemetry may be able to
transfer the seismic data to surface in about two minutes or less.

In some data reduction techniques, data stacking may be used. For example, as
described above with respect to tool-face determination using 3C geophones, the amount of
data can be reduced by the number N of stacked data sets. As another example, in seismic data
acquisition, in some embodiments, shooting sequences may be repeated with no change in
source RCV positions. Data volume may be reduced by the number of shots being stacked (for
example, data volume may be reduced up to four-fold). In some embodiments, data stacking
also reduces the overall random noise.

In some data reduction embodiments, downhole processing is performed to determine a
few key reflectors near the seismic system. In some embodiments, data reduction involves
cross-correlation of received versus transmitted data. In some embodiments, cross-correlation
may reduce the amount of data up to three fold.

In some embodiments, the downhole cross-correlation processing can be performed on
the data of each receiver to perform “beam steering” for each small time interval over the
whole seismic record. In some embodiments, the processing can be based on “semblance
analysis” between the recorded signals of one receiver. The analysis includes cross-correlation
between traces in every short length window, which have been shifted by a small delta time
(At) between adjacent receivers to determine the semblance between traces for a certain time
delay (see FIG. 25). The semblance between traces for a given time shift is the correlation
factor in this shifted small time window. The cross-correlation coefficient for each correlation
is mapped as the vertical (3") axis over a “2-dimensional” space, where the X-axis is arrival
(seismic) time and the Y-axis being the shifted time (AT). The resulting 3-D plot would
display hills and valleys: the peaks correspond to good correlation. In practice, the 3-D
hill/valley plot is displayed by contour lines (similar to a topography map), with each contour
line corresponding to a given value of correlation coefficient. The peak value of these contour

lines corresponds to seismic wave passing near the receiver. FIG. 25 shows the
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correspondence between reflector positions versus the wellbore (shown on the right) and the
peak of the contour line position on the semblance map (at the left). The left of the figure
represents a well 24 with a collar 1 which includes a source near the bit 21 and more than two
receivers in the same tubular above the bit. The well 24 is surrounded by formation. Typically
the receivers are at limited distance from each other to form a group of receivers. The receiver
spacing inside the group is typically smaller than the distance from the group center to the
source. “Semblance Analysis” is more fully described in a co-pending application, filed
concurrently herewith, also assigned to Schlumberger, and entitled: “DATA PROCESSING
SYSTEMS AND METHODS FOR DOWNHOLE SEISMIC INVESTIGATIONS.” The
referenced co-pending signal processing application is hereby incorporated by reference in its
entirety.

Methods. The present disclosure provides methods for acquiring seismic data
downhole using the devices and systems described herein. Generally, the methods include
operating the downhole vibrator to generate a seismic signal, and acquiring seismic data with
one or more sensors. In some embodiments, the seismic signal is a low frequency signal. In
further embodiments, the seismic signal is a sweep wave encompassing a range of low
frequencies, for example up to about 700 Hz, or from about 5 Hz or about 10 Hz up to about
700 Hz, or up to about 500 Hz, or up to about 400 Hz, or up to about 300 Hz, or up to about
250 Hz.

In some applications, the vibrator can be operated while moving, such as during rotary
drilling, especially when the vibrator is equipped with an independent vibrator sleeve (so that
the pads are not entrained at the same rotation as the drill-string). In other applications, the
downhole vibrator can be operated when the tubular string is static in the wellbore in order to
limit the noise level for the imaging technique. For example, in some embodiments, the
seismic acquisition is performed “off bottom”—the bit is lifted by a short distance from the
well bottom and the drill string rotation is stopped. As rotation and drilling are suspended, the
“acoustic” noise is reduced enabling the desired seismic data acquisition with minimum
perturbation. An acquisition cycle is typically about 15 seconds or less. During this period,
the drill string is kept steady in the wellbore. In some embodiments, acquisitions are
performed with the source being moved at nearly uniform intervals between acquisitions. The
interval may vary, for example, about 3 meters. With such an interval, in some embodiments,
the process includes performing a seismic data acquisition for three different source positions,

approximately 3 meters apart, after each new joint is drilled (approximately 10 meters).
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Power for activating the seismic vibrator and/or performing the acquisition may come,
for example, from power generated by mud flow and/or from battery power. Thus, although
not required, the mud flow may be kept active to allow generation of downhole power as is
typical for MWD/LWD operations. In such cases, when utilizing the difference of pressure
from inside to outside, high amplitude seismic signal (up to about 60,000 Newtons) can be
generated at the downhole source, as a method to activate the pads. A retraction system can be
associated with the pads, so that the pads are retracted when the vibrator is not in action. This
insures that the pads are not submitted to contact with the wellbore during the vibrator inactive
phase, limiting wear and tear. The retraction mechanism can be a low force spring. If the pads
are ruggedized enough, chamfers on the edge of the pad may enable pushing the pad
backwards when unused and entering in contact with wellbore wall.

In some applications, the for feedback control between force output estimate and valve
positioning can be based on non-linear transfer function which includes non-linear behavior of
hydraulic loss across the control valve and supply channels. In some cases, the non-linear
transfer function can be linearized in some operating range, allowing to use more standard
feedback control logic and stability criteria.

In some embodiments, the vibrator can perform some calibration before generating the
frequency sweep: the calibration may include applying the pads against the borehole and
running a constant frequency first to record the pad and force behavior versus valve opening
position. This step can be performed at several frequencies. This knowledge (calibration) can
then be used for the frequency sweep to optimize the valve position versus time and obtain the
best sweep quality with minimum harmonic.

In some embodiments, where the system includes two down-hole sources, the acquired
data may be grouped to simulate a “split” spread (i.e. the source is in the center of the
acquisition array) as is typical in land seismic. As shown in FIG. 23, the seismic data set
obtained with shot 1 and the lower source can be grouped with the data set obtained with shot 2
and the upper source. When acquiring the second data set, the upper source can be positioned
at the same depth as the lower source was located during the first shot. The amplitudes of the
two data sets can be normalized in relation to the amplitude recorded in the near-field of the
sources, enabling removal of the effect of amplitude variation. In some embodiments, this split
spread method provides an imaging method allowing larger portions of the illuminated
reflector to be viewed. Also, by combining data from more receivers to perform the same

image output, the overall signal-to-noise ratio may be improved, as well as slightly better
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conservation of the high frequency content of the signal. This method may allow higher
resolution and improved capability to separate close reflectors (thanks to higher frequency).

The usage of two downhole sources allows also better recognition of reflector forwards
to the bottom of the wellbore and quite-perpendicular to the wellbore. This improved
recognition is obtained by improved capability of separating the multiple waves travelling
parallel to the wellbore.

In some embodiments, the method further includes deploying a seismic source
according to this disclosure in one well, and installing a receiver array in another well. In
some embodiments, the source is installed in the wellbore being drilled, while the receiving
station is lowered as wireline system in the other well. In some embodiments, the method
includes processing the acquired data to determine the tool-face and the dip of the receiving
seismic ray. The distance between the well could be estimated using an estimation of seismic
velocity between the well (either obtained from surface seismic, or from downhole seismic).
In some embodiments, this well localization method can be applied for avoiding well collision
and/or for positioning a well correctly versus another well.

In some embodiments, a Drill String Test (DST) string may include the low frequency
borehole seismic system. When the packer is not set, fluid can be circulated and the source
activated. In some embodiments, when integrated into a DST string, the system can be used to
map the reflector near the reservoir. If the well is cased, it should be noted that the seismic
signal will not be affected strongly. When the packer is set, it may be more difficult to use the
downhole source. The downhole receiver arrays can be used to monitor the noise generated in
the formation during pressure change. The noise is partially due to the DARCY flow in the
pore, phase change and change of stress in the rock due to the sudden pore pressure change.
This may be quite effective in fractured carbonate as the change of facture width is probably a
source of noise. In some embodiments, a surface source can be used to perform a VSP during
the DST draw-down period or pressure-build period. The VSP could be performed as local 4D
seismic to evaluate the variation between the DST phases.

In some embodiments, the downhole seismic system can be installed in the wellbore to
frac (as part of frac tubing). It can be used in a similar way as for DST (i.e. mapping reflectors
and/or noise recording from formation frac propagation among other possibilities). In the case
of either DST string applications or frac operations, the seismic vibrator can be operated while
the downhole production is closed and the annulus circulation valve is open. The flow and

pressure distribution can be similar to the one related to drilling operation.
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A number of embodiments have been described. Nevertheless it will be understood
that various modifications may be made without departing from the spirit and scope of the
disclosure. Accordingly, other embodiments are included as part of the disclosure and may be
encompassed by the attached claims. Furthermore, the foregoing description of various
embodiments does not necessarily imply exclusion. For example, "some" embodiments or
“other” embodiments may include all or part of “some”, "other" and "further" embodiments

2

within the scope of this disclosure.
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WHAT IS CLAIMED IS:

1. A seismic source device for transmitting a seismic signal into a formation surrounding
a borehole, comprising:

a. a drill-string tubular optionally having a sleeve that is free in rotation versus the tubular
itself;

b. at least two force generating members retractably connected to the tubular or to the
sleeve at substantially the same axial position; and

C. a control system for activating the at least two force generating members to engage a
borehole wall and transmit the seismic signal into the formation.

2. A device according to claim 1, wherein the transmitted seismic signal comprises a
swept frequency signal having frequencies ranging up to about 700 Hz, optionally including
one or more generated harmonics in the swept frequency signal.

3. A device according to claim 1, wherein the at least two force generating members are
distributed about the tubular in an axis-symmetric pattern.

4. A device according to claim 3, wherein the at least two force generating members
comprise a first pair of force generating members positioned 180 degrees apart and a second
pair of force generating members positioned 180 degrees apart, wherein the first pair of force
generating members are shifted by 90 degrees from the second pair of force generating
members.

5. A device according to claim 4, wherein the control system activates the first pair
asynchronously from the second pair.

6. A device according to claim 1, wherein the at least two force generating members
transmit a sinusoidal seismic signal that is swept in frequency.

7. A device according to claim 1, wherein each one of the at least two force generating
members comprises an moveable member and a contact pad that is pivotably or hingedly
moveable relative the moveable member, wherein the moveable member is a controlled
pushing system for activating the contact pad, and the controlled pushing system is activated
by a hydraulic piston, and wherein the contact pad is directly connected to the hydraulic piston
via a ball joint or indirectly connected to the hydraulic piston via a hinge.

8. A device according to claim 1, wherein the control system controls a valve system that
delivers hydraulic pressure for activating the at least two force generating members, wherein

the hydraulic pressure is derived from mud flow in the tubular.
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0. A device according to claim 1, further comprising a feedback control for maintaining a
signal according to a reference signal.
10. A device according to claim 9, wherein the feedback control allows to deliver seismic

force having substantially constant amplitude and with varying frequencies to a borehole wall,
using at least one downhole measurement as input for the feedback control.

11. A device according to claims 9, wherein a non-linear transfer function that has been
linearized over a frequency bandwidth is used for feedback control.

12. A device according to claim 11, wherein a force output is calibrated versus valve
control for pre-defined frequencies before generating frequency sweep, and wherein the

transfer function is optimized by using the calibrated response of the force output.

13. A borehole seismic system for acquiring an amount of seismic data downhole,
comprising:

a. at least one downhole seismic source according to claim 1; and

b. at least one downhole seismic receiver;

wherein the system is one of a single well seismic investigation system or a cross well seismic
investigation system.

14. A system according to claim 13, wherein the at least one receiver is a receiver sub
mounted on the drill-string tubular, the receiver sub comprises at least two seismic sensors, and
wherein the seismic source is located on a first tubular of the drill string, and the receiver sub is
located on a second tubular of the drill string.

15. A system according to claim 13, further comprising a data processing system, and
wherein the control system activates the seismic source to transmit a swept frequency signal
comprising frequencies ranging from about 10 Hz to about 250 Hz such that the data
processing system can determine the location and orientation of bed boundaries up to about
500 meters around the drill string and ahead of a drill bit.

16. A system according to claim 13, further comprising an additional surface source,
enabling seismic data acquisition by the downhole receiver(s) when either the surface source or
the downhole source(s) is activated.

17. A method for borehole seismic investigation, comprising:

a. lowering a drill string comprising a bottom hole assembly (BHA) into a borehole,
wherein the BHA comprises a seismic source integrated with a first tubular, and the seismic
source comprises at least two force generating members retractably connected to the first

tubular,
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b. activating the seismic source to transmit a low frequency seismic signal into a
formation surrounding the borehole; and
C. acquiring seismic data at a receiver sub comprising at least two receivers, which

receiver sub is integrated with a second tubular;

wherein the seismic source and the receiver sub can be deployed in the same well or in
different wells.

18. A method according to claim 17, further comprising reducing the amount of acquired
data prior to transmission to a surface above the borehole by determining a location and
orientation of a desired number of bed boundaries from the acquired data.

19. A method according to claim 17, further comprising performing semblance processing
between multiple recorded seismic signals by the receivers for a same transmitted signal,
wherein the semblance is characterized by small time intervals shifted by small delta time.

20. A method according to claim 17, further comprising synchronously activating the at
least two force generating members to generate the seismic signal.

21. A method according to claim 17, further comprising activating the source when drilling
is stopped, and pulling a bit on the BHA a short distance toward surface from the well bottom
and/or adding tubular members to the drill string.

22. A method according to claim 17, wherein the seismic source comprises an upper source
and a lower source, and the receiver sub is located on a section of the drill string between the
upper and lower sources, and the method further comprises: firing the lower source at a first
location and acquiring a first data set; moving the drill string to position the upper source at the
first location where the lower source was fired; firing the upper source and acquiring a second

data set; and grouping the first data set with the second data set for analysis.



WO 2014/097160 PCT/IB2013/061065
1/18

215 "
R, ;
RECEIVER
| SUBSYSTEM 245
/\ RECORDER
219 v
229 | PROCESSOR |-~ 285
\ N
PUMP 217
, 202
— : 260
207 >
Al
22 Ty COVROLER |-
\1 1|l
N N U Y 2
AR 209 1 e
2
226 208 I
D--
—’C_ N
N2 %
Nim
NV %
MY
N2 >
SR
7, / /é
N =1\
// /4
A\ Y
N 7
M| I 210
/5\\\\/ - /’
>
200 /\\i —§’
N
< X ,%\)\f—zzm
NI -230A
250

'/
\y\i\\
NN
R FIG. 1



PCT/IB2013/061065

WO 2014/097160

2/18

¢ 9OId

¥0103143d .uaﬁmﬁy\\uﬂ//ﬂ/

’ AR \
o
St AT <

.
:::::::

-

::::::::

JAVM 349n1

JAVM
JINSIFS,

WAIHHY 9V 1100



WO 2014/097160 PCT/IB2013/061065
3/18

\)
FIG. 4

—~_ 30
3

/
|
FIG. 3




WO 2014/097160
4/18

N~
M~ ~
o%o
NO) Ay
N
. )
A
~
= © o
O
&
CY)‘_
N
Lo voo
[ap]
O
~ (0 ] o
\
O
O O
[{o]

PCT/IB2013/061065

FIG. 6

FIG. 5



WO 2014/097160 PCT/IB2013/061065
5/18

16

o 2 co
=) »
—
| A T
B3_~ Q 5 <
0
<
QT—
NCY)
P~ M~
INOAN! Og
—_ N
NLO
12p G
O ]
=
— 0 o) © LL

10



WO 2014/097160 PCT/IB2013/061065
6/18

22
23

10

FIG. 9

19

WC@> -
=)



WO 2014/097160

FIG. 10

"

7/18

22

24

4

10

27

13
14

PCT/IB2013/061065

26

25

FIG. 11




WO 2014/097160
8/18
o L
N )
<
J
\ AN
N
n
L
A |-

FIG. 13

FIG. 12

PCT/IB2013/061065



WO 2014/097160 PCT/IB2013/061065
9/18

33
38

Fa =
e
%O\\ :;O$ T
Z =P O
) & &

150
©

R
O

o 2
M~
N on
N~
O ~//(/ V
o '\I o=
N ]
: S
S O

3
14



PCT/IB2013/061065

WO 2014/097160

10/18

9L "OId

434930

|||||||||||||||

144

antindny

(D3S) ANIL NOILYT134H02-0LNY

e TAWAN
AN TIATAVAVARN

AdN1IdiNy

TVNOIS A3 LLINSNVHL



PCT/IB2013/061065

WO 2014/097160

11/18

8L "Old

ADY Jd

q16
€6 76 el6

ZL Ol

TAWASANA _

J4NSS3dd




PCT/IB2013/061065

WO 2014/097160

12/18

61 "Old

[4s}

E N @\N |
TN s
ZZ7Z N\/ AVAVAN A
CERE ) ) )
M 0Gl L
v




PCT/IB2013/061065

WO 2014/097160

13/18

0¢ "Old

0 40103143y

SH0.103143d
dH1 40 S1¥vd d310313d

SR [OIREREE).

YV 40103143

N\ 304N0S
A\

A
L AOY

STYNOIS 31037143 ,,/H

v [ NFLSAS JINSIFS
A\ JTOHNMOA
- HLIM 3409 T13M




WO 2014/097160 PCT/IB2013/061065
14/18

91a

FIG. 21




PCT/IB2013/061065

WO 2014/097160

15/18

< [OJRSEREE}:

¢¢ Old

ONIYI4 I0HNOS HddN (g
496
96 eL6 q16 oL6
TYNOIS Q3103143
J [ ) \
/ 7
| S T DEIERR hd \.‘c N | o1 I | nﬂLm@M |
..A..|||||..|l||||..|||..||||l||l|..|...||i|1|||||||||||.n.l|l|||||||||..|t..l||..|!||||..|7.. |.._.,.<~>_|WMW|_/M m<|_|_oo
™ INOY4 .IAVM OINSIFS,
T
a6 496
296  ElL6 16
NOIS aaLoFaRy ) ) , ﬂ
/ \ o
[ ot ST | T F T .H.ME.-IMI.I T
uwevwae - _—___ R
||||||||| —- 1INOYA TYAIYYY ¥V 1100
JAVM 3ANL ANIM OINSIFS,
ONIYI4 30HNOS ¥AMOT (¥



WO 2014/097160

T -

-~ -

1 {
1
1
i
1
1
1
Y
Fal
7 1
4
/7
/ !
’
7
1
!
1
!
7

R2
| I
\\
\
\
\
\
\

16/18

SHOT 2

-

-~

SHOT 1

FIG. 23

PCT/IB2013/061065



PCT/IB2013/061065

WO 2014/097160

17/18

ve Old

AJd ANV 30dN0S IT0HNMOd
HLIM S1¥Vvd a3103143d

3404N0S FT10HdN ¥

AJY HLIM
S1dvd d410313d

INJLSAS OIASIZS
4TOHNMOAd
HLIM 3408713M

SHO0LO03143d

30HNOS FOV4dNS HO4
TYNDIS DINSIFS



PCT/IB2013/061065

WO 2014/097160

18/18

G¢ 'Ol

- _——-

1veava HY(q

J409T13aM SNSHIA
NOILISOd 401031434

dVIN JONVIENES




INTERNATIONAL SEARCH REPORT

International application No.
PCT/1IB2013/061065

A. CLASSIFICATION OF SUBJECT MATTER
GO01V 1/40(2006.01)i, GO1V 1/04(2006.01)i

According to International Patent Classification (IPC) or to both national classification and IPC

B. FIELDS SEARCHED

Minimum documentation searched (classification system followed by classification symbols)
GO1V 1/40; GO1V 1/44; E21B 47/02; E21B 49/00; E21B 47/12; GO1V 1/04

Korean utility models and applications for utility models
Japanese utility models and applications for utility models

Documentation searched other than minimum documentation to the extent that such documents are included in the fields searched

bottom hole assembly, BHA, receiver

Electronic data base consulted during the international search (name of data base and, where practicable, search terms used)
eKOMPASS(KTIPO internal) & Keywords: seismic source, drill-string tubular, force generating member, control system,

C. DOCUMENTS CONSIDERED TO BE RELEVANT

Category* Citation of document, with indication, where appropriate, of the relevant passages Relevant to claim No.
X US 2004-0240320 A1 (MCDONALD et al.) 02 December 2004 1-6,8,9
See abstract, paragraphs [0014], [0020]-[0023], [0026], [0028], [0030],
[0032], claim 1, and figures 1,2.
Y 13-17,19-21
A 7,10-12,18,22
Y WO 2012-027105 A1 (SMITH INTERNATIONAL, INC.) 01 March 2012 13-17,19-21
See abstract, paragraphs [0020], [0021], claim 1, and figure 1.
Y US 2010-0101861 A1 (CHANG, CHUNG) 29 April 2010 16
See abstract, paragraph [0029], claim 1, and figure 3.
Y US 2011-0231097 A1 (MARKET, JENNIFER A.) 22 September 2011 19
See abstract, claims 1,4, and figures 2-3B.
A US 4702343 A (PAULSSON, BJORN N. P.) 27 October 1987 1-22
See abstract, column 4, line 7 — column 5, line 8, claim 1, and figure 1.

|:| Further documents are listed in the continuation of Box C.

See patent family annex.

* Special categories of cited documents:
"A" document defining the general state of the art which is not considered
to be of particular relevance

"E" earlier application or patent but published on or after the international
filing date

"L"  document which may throw doubts on priotity ¢claim(s) or which is
cited to establish the publication date of another citation or other
special reason (as specified)

"O" document referring to an oral disclosure, nse, exhibition or other
means

"P"  document published prior to the international filing date but later

than the priority date claimed

"T" later document published after the international filing date or priority
date and not in conflict with the application but cited to understand

the principle or theory undetlying the invention

"X" document of particular relevance; the claimed invention cannot be
considered novel or cannot be considered to involve an inventive
step when the document is taken alone

"Y" document of particular relevance; the claimed invention cannot be

considered to involve an inventive step when the document is
combined with one or more other such documents,such combination
being obvious to a person skilled in the art

"&" document member of the same patent family

Date of the actual completion of the international search

23 April 2014 (23.04.2014)

Date of mailing of the international search report

23 April 2014 (23.04.2014)

Name and mailing address of the [ISA/KR
International Application Division
« Korean Intellectual Property Office
189 Cheongsa-ro, Seo-gu, Daejeon Metropolitan City, 302-701,
Republic of Korea

Facsimile No, +82-42-472-7140

Authorized officer

KIM, Jin Ho

Telephone No. +82-42-481-8699

Form PCT/ISA/210 (second sheet) (July 2009)




INTERNATIONAL SEARCH REPORT

International application No.

Information on patent family members PCT/IB2013/061065
Patent document Publication Patent family Publication
cited in search report date member(s) date
US 2004-0240320 Al 02/12/2004 WO 2004-072682 Al 26/08/2004
WO 2012-027105 Al 01/03/2012 CA 2809173 Al 01/03/2012
US 2010-0101861 Al 29/04/2010 EP 2350696 A2 03/08/2011
JP 05352674 B2 27/11/2013
JP 2012-507004 A 22/03/2012
US 8009510 B2 30/08/2011
WO 2010-048270 A2 29/04/2010
WO 2010-048270 A3 19/08/2010
US 2011-0231097 Al 22/09/2011 GB 0917312 DO 18/11/2009
GB 2460209 A 25/11/2009
GB 2460209 B 07/09/2011
WO 2008-130351 Al 30/10/2008
US 4702343 A 27/10/1987 CN 1011920 B 06/03/1991
CN 87101987 A 07/10/1987
EP 0263149 Al 13/04/1988
EP 0263149 Bl 11/12/1991
JP 07-043692 U 05/09/1995
US 4783771 A 08/11/1988
US 4805725 A 21/02/1989
WO 87-05708 Al 24/09/1987

Form PCT/ISA/210 (patent family annex) (July 2009)




	Page 1 - front-page
	Page 2 - front-page
	Page 3 - description
	Page 4 - description
	Page 5 - description
	Page 6 - description
	Page 7 - description
	Page 8 - description
	Page 9 - description
	Page 10 - description
	Page 11 - description
	Page 12 - description
	Page 13 - description
	Page 14 - description
	Page 15 - description
	Page 16 - description
	Page 17 - description
	Page 18 - description
	Page 19 - description
	Page 20 - description
	Page 21 - description
	Page 22 - description
	Page 23 - description
	Page 24 - description
	Page 25 - description
	Page 26 - description
	Page 27 - description
	Page 28 - description
	Page 29 - description
	Page 30 - description
	Page 31 - description
	Page 32 - description
	Page 33 - description
	Page 34 - description
	Page 35 - description
	Page 36 - claims
	Page 37 - claims
	Page 38 - claims
	Page 39 - drawings
	Page 40 - drawings
	Page 41 - drawings
	Page 42 - drawings
	Page 43 - drawings
	Page 44 - drawings
	Page 45 - drawings
	Page 46 - drawings
	Page 47 - drawings
	Page 48 - drawings
	Page 49 - drawings
	Page 50 - drawings
	Page 51 - drawings
	Page 52 - drawings
	Page 53 - drawings
	Page 54 - drawings
	Page 55 - drawings
	Page 56 - drawings
	Page 57 - wo-search-report
	Page 58 - wo-search-report

